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Abstract. Predicting well deliverability loss due to condensate banking requires imbibition gas/oil relative permeability as a function of 

capillary number. These measurements can be difficult to conduct and are often unavailable. It would be of benefit if reasonable estimates 

of the imbibition relative permeability can be obtained from commonly available drainage data.  We use a multiphase Lattice Boltzmann 

method to compute drainage and imbibition gas/oil relative permeability for a Berea sandstone core. The computations are done on a 3D 

digital pore space of the core constructed for micro-CT-scan images. The imbibition calculations are for both displacement and dropout 

processes, and for a range of capillary numbers.  These results are then compared to experimental measurements reported in literature 

as a function of krg/kro and capillary number Nc, and they showed agreement with experimental results for different sandstones. 

 

1 Introduction  

A gas condensate system is typically single-phase gas at 

time of discovery. As the gas/condensate system pressure 

decreases below the dew point in the near-wellbore 

region, condensate saturation increases leading to 

“condensate banking.” The effective gas permeability 

decreases in the near well region, and this often leads to a 

large reduction of well productivity [1,2]. The ratio of 

forces expressed as capillary number (Eq. 1)  plays a key 

role in the degree of impairment [3,4,5]. 

 

𝑁𝑐 =
𝑈𝜇

𝜎
    (Eq. 1) 

 

The imbibition relative permeability data needed to model 

condensate banking phenomena are difficult to measure. 

They are often obtained by performing steady-state or 

“pseudo-steady-state” experiments. Reservoir condition 

steady-state relative permeability tests that capture the 

effect of rock type, flow velocities and near-well bore 

conditions are especially complex and time consuming. 

“Pseudo-steady state” relative permeability experiments 

with reservoir and synthetic fluids that match liquid 

concentration, viscosity ratio and interfacial tension of the 

condensate [6,7] are often used. These experiments 

require fitting to a relative permeability model to obtain 

curves as function of saturation. In general, imbibition 

data to model condensate banking are often unavailable. 

It would be of benefit if reasonable estimates of the 

imbibition relative permeability can be obtained from 

commonly available drainage data.   

 

The objective of this work is to test the capabilities of 

Lattice Boltzmann based multi-phase fluid flow 

simulation to model drainage and imbibition gas/oil 

relative permeability, to investigate the effects of different 

methods of establishing condensate saturation at the pore 

scale (displacement, dropout), and the effects of capillary 

number.  A high-resolution 3D image of a Berea 

sandstone is used to test the simulation method, and the 

results are compared with data obtained from literature.  

2 Methodology  

2.1 Sample Imaging 

We use a micro-CT device to create a 3D image of a Berea 

Sandstone sample. Figure 1-left shows one 2D slice 

perpendicular to flow (1024x1024 pixels) in original grey 

scale. The slice represents a 5mm diameter plug and has a 

resolution of 2.6 μm/voxel. Figure 1-right shows the same 

slice in binary scale after segmentation. The segmentation 

of the image was performed using an in-house enhanced 

histogram thresholding method [8].  

 

Fig. 1. Two-dimensional section of scans for the Berea Sandstone used 

in this work: original grey scale (left) and segmented image (right) 

The simulations described in the next section were 

performed for a sub-volume (600x600x600) whose grain- 

and pore- space visualizations are shown in Figure 2.a 

(grain space) and 2.b (pore space). The sub-volume had a 

connected porosity of 17.8% with a critical pore throat 

radius of 8.3μm (3.2 voxels). The critical pore throat 

radius is a measure of pore size. It is defined as the radius 

of the largest sphere that can start from a face of the rock 

and find its way within the pore space to the other, 



 

opposing face. Any sphere with a radius larger than the 

critical throat radius will becomes stuck within the pore 

space. For a cubic 3D geometry, it is measured in all 3 

directions. Here the critical throat radius is only reported 

for the flow direction. The simulated permeability and 

total porosity was 670 mD and 22 %.  

  

Fig. 2: Visualization of (a) grain and (b) pore space of the 3D 

model used for all simulation. 

2.2 Numerical Modelling Approach 

The numerical modelling approach used in this study 

consists of a multiphase Lattice Boltzmann method 

(LBM) where condensate dropout and its effects on two-

phase flow are investigated and compared to a traditional 

displacement-based method. LBM has been recently used 

for directly solving flow scenarios at pore-scale within 

porous media, particularly for petroleum reservoir rock 

systems [9,10]. 

LBM is based on kinetic theory and solves a discrete form 

of the Boltzmann transport equation.  The explicit method 

often operates on a cubic lattice.  This allows for local 

compute operations with good parallel efficiency.  LBM 

based fluid solvers are considered competitive 

alternatives to traditional Navier-Stokes PDE-based 

numerical methods [11-16]. 

The solver used for this work is based on an extension of 

the multiphase Shan-Chen model (SC-LBM) [17].  The 

model used here was recently extended to improve 

numerical stability and accuracy under the operating 

conditions required for digital rock workflows, low 

resolution and low numerical viscosity [18,19]. In the 

model fluid phase separation is the result of interaction 

forces between fluid components while wettability is 

determined by interaction forces between fluid and pore 

walls. 

The pore-solid interface is defined by triangular surface 

elements, or surfels, which allows for high fidelity 

representation of the surface. The usage of surfels 

increases accuracy of near-wall fluxes and is a unique 

feature of the model used in this work [20,21]. This allows 

for a relatively coarse number of grid cells to be used for 

resolving the critical throats of a rock volume, making 

computational cost of practical rock volumes manageable. 

2.3 Numerical Modelling Setup 

Two multi-phase flow modelling setups were used to 

generate gas/condensate relative permeability curves.  

The first corresponds to steady-state relative permeability 

displacement.  In the second setup, the drop-out of 

condensate is modelled, and the effective permeability of 

both gas and condensate is calculated as a function of 

saturation and capillary number.  

2.3.1. Relative Permeability -- Displacement 

A steady-state relative permeability displacement method 

is used here to simulate both drainage and imbibition 

displacements.  Gas displaces condensate in drainage, 

while condensate displaces gas in imbibition. Periodic 

boundary conditions and a driving force are applied in the 

flow direction, while no-flow boundary conditions are 

used in the direction transvers to flow.  Additional details 

for this method can be found in [9].  

2.3.2 Relative Permeability -- Dropout  

In a physical gas condensate system, the liquid condensate 

phase develops through the spontaneous condensation or 

dropout of components initially in gas. The dropout of the 

liquid condensate phase occurs from a state change 

(typically a pressure reduction) of the system. To model 

this mechanism in this simulation methodology, 

condensate mass is uniformly introduced into the gas 

filled pore space as a new fluid component using a 

volumetric exchange process. In each voxel a source term 

introduces condensate mass while a sink term 

simultaneously removes an equal amount of gas. This is 

done with a uniform rate of exchange in all gas phase 

voxels. Initially, the condensate component remains 

dissolved as the minor component in the gas phase, but as 

the described exchange process continues to introduce 

condensate mass and increase condensate density, the 

interaction forces between the gas and condensate 

components naturally lead to the spontaneous formation 

of a liquid condensate phase. Figure 3 shows a diagram 

of the condensation model in which condensate is 

introduced in the gas filled pores.  . 

 

Fig. 3. Diagram of the condensate dropout method 

The little condensate points in the gas phase indicate 

dissolved condensate component in the numerical 

simulation that have been introduced by the exchange 

process. After forming a separate phase (i.e. dropping out) 

the condensate phase is shown to have migrated to and 

collected along the pore walls. This is representative of 

condensate being the wetting phase and in agreement with 

the film-wise process observed in micromodels [22]. 

Similar to the displacement method a body force is used 



 

to drive flow through the rock over the course of a dropout 

simulation.  

Figure 4 describes the progression of a dropout 

simulation. The simulation starts at the initial saturation 

state. The dropout method is initially off. During this step 

the time behaviour of relevant flow quantities are 

measured. When these quantities are determined to be 

converged in time the permeability of all phases, gas and 

condensate, is measured. Typically, only gas is mobile at 

the initial saturation state. After measuring permeability, 

the dropout method is turned on. When the dropout 

method is on the condensate saturation increases and gas 

saturation decreases correspondingly. The dropout 

process continues until a predefined saturation is 

achieved. When the saturation threshold is achieved the 

dropout method is turned off and the convergence and 

permeability measurement step is performed again. The 

saturation remains constant during this step. Once this 

step is complete the dropout method is turned on again. 

The simulation continues to alternate the dropout step and 

the convergence step until only the condensate phase is 

mobile and the gas phase is determined to be immobile.    

 

Fig. 4. Diagram showing process for computing Gas/Oil 

(dropout) relative permeabilities 

2.3.3 Modelling Conditions 

In this study 5 simulations were performed using the 

Berea Sandstone 3D model shown in Figure 2. Table 1 

provides a list of the simulations performed. In all 

simulations the liquid condensate is assigned to be the 

wetting fluid while the gas is assigned as the non-wetting 

fluid. Pressure, temperature and overall composition will 

make viscosities different for different fluid systems, in 

this case the average of the range considered for 

condensate dynamic viscosity to gas viscosity ratio is 10.  

Using the steady-state displacement method both drainage 

and imbibition condensate/gas simulations are performed. 

In the drainage simulation gas is the displacing fluid. In 

the imbibition simulation the liquid condensate is the 

displacing fluid.  Three condensate dropout simulations 

are also performed. Table 1 shows the prescribed gas 

capillary number used for each simulation. The gas 

capillary number is defined as:  

𝑁𝑐,𝑔𝑎𝑠 =
𝑈𝑡𝜇𝑔𝑎𝑠

𝜎
    (Eq. 2) 

Where the total Darcy velocity (𝑈𝑡) is the sum of the gas 

and condensate Darcy velocities (Eq. 3). This is held 

constant throughout a simulation to maintain constant 

flow rate.  

𝑈𝑡 = 𝑈𝑔 + 𝑈𝑐   (Eq. 3) 

The total Darcy velocity is chosen so that the prescribed 

gas capillary number is achieved when the condensate 

phase is immobile and only the gas phase is flowing. For 

drainage this occurs at the end of the displacement, when 

all mobile oil has been removed. For both the imbibition 

displacement and dropout simulations this occurs at the 

beginning of the simulation when only gas is flowing. 

 

Table 1 : List of Runs performed on Berea 3D Model (Fig. 2) 

Run Method Nc,gas 
1 Steady-State Drainage 1x10−5 
2 Steady-State Imbibition 1x10−6 
3 Condensate Dropout 1x10−6 
4 Condensate Dropout 1x10−5 
5 Condensate Dropout 5x10−5 

3 Results 

3.1 Numerical Simulations on 3D Berea Model 
 

In this section, results from the simulations described 

above are presented and discussed. Figure 5 compares the 

result of a drainage gas/oil relative permeability 

simulation for a capillary number of 1x10-5 with results 

from literature representing low and high capillary 

numbers [23,24]. The results from simulation are in the 

range between these two boundaries. 

 

 
Fig. 5. Comparison of Drainage Oil/Gas relative permeability 

obtained from run 1 (black) and ranges suggested for sandstones 

between low capillary number (solid blue line) and high 

capillary number (dashed blue line). 
 

 



 

Figure 6 compares imbibition gas and condensate relative 

permeabilities obtained from different mechanisms at 

same capillary number: the dashed line depicts curves 

where displacement of gas by liquid condensate occurs 

(run 2); while the solid line shows curves for the case 

where gas is replaced by liquid condensate using the 

dropout method (run 3).  

 
Fig. 6. Comparison of Oil/Gas Relative Permeabilities obtained 

by Displacement (run 2) and Gas Condensate formation (run 3) 

at Nc = 1x10−6 

 

Condensate relative permeability is lower in the dropout 

case. This could be due to more regions of disconnected 

condensate saturation. Dropout gas relative permeability 

values are also lower. This could be due to the relatively 

uniform introduction of condensate into both large and 

small pores by the dropout method. This would cause the 

gas phase to breakup sooner than in the displacement 

method where the preference is for condensate to fill 

small pores first and preserve the connectivity of the gas 

phase.   

 

Figure 7 compares krg/kro data for drainage 

displacement, imbibition displacement, and imbibition 

dropout. The drainage displacement values are much 

higher than the imbibition values, and the differences 

between the two methods of imbibition are relatively 

minor. At the end of each simulation shown in figure 6, 

when the displaced fluid is trapped, the capillary number 

based on the displacing fluid is the same. For drainage 

(run 1) this is Nc,gas=1x10-5. For both imbibition 

simulations (run 2 & 3) this is Nc,cond =1x10-5 .  

  

 
Fig. 7. Gas Relative permeability as a function of 𝑘𝑟𝑔 𝑘𝑟𝑜⁄  for 

drainage and imbibition (displacement, dropout)  

Our findings of small differences between displacement 

and dropout imbibition data are consistent with those of 

Henderson et al. [4].  

 

Figure 8 shows four snapshots of gas and liquid dropout 

distribution for run 3 at four different saturations steps; 

liquid dropout appears in different regions of the 3D 

volume as the simulation progresses towards increased 

liquid condensate saturations.   

 

 
 
Fig. 8. Snapshot of gas and liquid dropout distribution at 

different gas saturation stages in run 3 at Nc=1x10-6 (Table 1). 

Figure 9 shows gas and condensate relative permeability 

for different capillary numbers (runs 3, 4 and 5 in Table 

1). Fig. 10 plot same data from Fig. 8 in semilog scale, 

which shows critical condensate saturation in the range of 

20% for the lowest capillary number tested in this study 

(Nc=1x10-6); because we set a target condensate saturation 

in this range, the evolution towards lower critical 

condensate saturations at larger capillary numbers is not 

resolved; however, the trend of the condensate relative 

permeability in this plot suggests that critical condensate 

saturation decreases with increasing capillary number. 



 

 

Fig. 9. Gas Condensate Relative Permeability obtained from 

runs 3, 4 and 5 (Table 1). 

 
Fig. 10. Gas Condensate Relative Permeability from Fig. 8 

(semi log). 

Fig. 11 shows data from Fig. 8 in the 𝑘𝑟𝑔 = 𝑓(𝑘𝑟𝑔 𝑘𝑟𝑜)⁄  

which is used to model gas condensate by developing 

relative permeability at different capillary numbers [1, 5]. 

It shows that gas mobility increases with increasing 

capillary number, which is an expected well-known trend 

[2,5,7].  There is some discrepancy in the high krg/kro 

space and this needs to be further explored. 

 

 Fig. 11. Gas Relative permeability as a function of Gas/Oil 

Relative Permeability ratio from relative permeability obtained 

from runs 3, 4 and 5 (Fig. 4, Table 1). 

Figure 12 shows visualizations of the gas phase at the 

residual gas condition of each capillary number simulated 

with the dropout method. The visual shows that much of 

the gas is disconnected and that the amount of gas 

decreases with increasing capillary number.  

 

 

Fig. 12. Visualization showing locations of trapped gas for (a) 

run #3 at Nc=1e-6, (b) run 4 at Nc=1e-5, and (c) run 5 at Nc=5e-

5. 

Figure 13 shows the average blob volume measured at the 

same residual gas conditions. As capillary number 

increases the size (volume) of gas blobs decreases.  The 

range of values of trapped gas saturations are in line with 

the 25-45% range reported in the literature [23]. 



 

 

Fig. 13. Average blob volume for each capillary number 

simulated with the dropout method (run 3 to 5). Blob volume 

measured at the residual gas condition of each simulation. 

Figure 14 shows iso-surface visualizations of the gas blob 

locations. These are shown for both the displacement and 

dropout method. A gas saturation of  SG=48% is shown. 

These are intermediate saturation states where both gas 

and condensate are still flowing. The blob color denotes 

blob volume with the largest gas blobs colored as red and 

the smallest colored as blue. The deep red colored gas 

blobs represent the largest gas blobs. These blobs are 

often fully connected from inlet to outlet and associated 

with high gas relative permeability.  It is observed that the 

displacement method leads to a gas phase that has a better 

connectivity than the dropout method. This is consistent 

with the observation that the gas permeability curve 

generated by the displacement method is overall higher 

than that generated by dropout method as shown in figure  

6.  

 

 
Fig.  14. Visualization showing locations and volume of gas 

blobs. Color denotes blob volume. Largest gas blobs colored red. 

Smallest gas blobs colored blue. (a) shows displacement (run #2) 

while (b) shows dropout (run #3). 

3.2 Comparison with published data  

In this section, the results presented in the previous 

section in Fig. 11 are compared with results reported in 

literature for sandstone in the form of  𝑘𝑟𝑔 = 𝑓(𝑘𝑟𝑔 𝑘𝑟𝑜)⁄ . 

The comparison covers the range of capillary numbers 

[4,26,27,28] that include the capillary number used in this 

study (Table 2). The data compiled was collected in Berea 

or reservoir sandstone with porosity ranging between 17 

and 25%, and permeabilities between 50 and 500 mD. 

Most of the data were obtained using the Steady State 

method, generally by fixing target gas condensate ratio 

(GCR) at each step.  Cable et al [25] and Kumar el al [28], 

used pseudo-state method to measure relative 

permeability. Regarding the fluid properties, some of 

these studies used mixtures match fluids at reservoir 

conditions and/or reservoir fluids, the oil/gas viscosity 

ratio ranged between 7 and 40 for the cases we used for 

comparison. 

 

Figure 15 compares run 3 (Nc=1x10-6)   with data reported 

for capillary numbers ranging between 1x10−6 and 

5x10−6 [4,26,27, 28,31]. We see good agreement between 

the data reported for this range and the simulation results. 

   

 
Fig. 15. Gas Relative permeability as a function of 𝑘𝑟𝑔 𝑘𝑟𝑜⁄ . 

Comparison of Simulation run # 3 (Nc = 1x10-6) with data 

published in the literature for range covering the capillary 

number condition (1x10−6 ≤ Nc < 5x10−6) 

Figure 16 compares run 4 (Nc=1x10-5) with data reported 

for capillary numbers ranging between 5x10−6and 

2x10−5 [4,26,28,30,31]. For this range, we observed more 

variability in the data reported in literature compared to 

the previous case at lower capillary number. And yet, the 

simulation results show good agreement with the results 

reported in literature 

 

Fig. 16. Gas Relative permeability as a function of 𝑘𝑟𝑔 𝑘𝑟𝑜⁄ . 

Comparison of Simulation run 4 (Nc = 1x10−5)  with data 
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published in the literature for range covering the capillary 

number condition (5x10−6 ≤ Nc < 2x10−5). 

Figure 17 compares run 5 with data reported for capillary 

numbers larger than 2x10−5 [25,31]. Even though we 

have less data to compare in this range and experimental 

data shows uncertainty, we see a good agreement between 

the simulation results and the range of data reported 

 

 
Fig. 17. Gas Relative permeability as a function of 𝑘𝑟𝑔 𝑘𝑟𝑜⁄ . 

Comparison of Simulation run 5 (Nc = 5x10−5) with data 

published in the literature for range covering the capillary 

number condition (Nc ≥ 2x10−5). 

4 Conclusions 

Multiphase flow LBM calculations of imbibition gas/oil 

relative permeability for a Berea sandstone gave 

promising results - 

• The calculated gas relative permeability as a function 

(krg/kro, Nc) was in line with experimental results for 

different sandstones 

• There were minor differences between displacement 

and dropout methods of establishing a wetting 

condensate saturation. This is as expected and 

consistent with the literature.  

Future work will need a careful comparison where there 

is computed and measured drainage and imbibition data 

on the same sample. If the results are still promising, LBM 

offers a way to calculate the imbibition gas/oil relative 

permeability data needed to model effects of condensate 

banking from commonly available drainage experiments. 

5 Nomenclature 

krg = gas relative permeability 

kro = oil or gas condensate relative permeability 

SLIQ= liquid saturation 

Sg = gas saturation 

Sgr = residual gas saturation 

Soc = critical gas condensate saturation 

Sorg = residual oil (to gas) saturation 

𝑈 = velocity 

μ = viscosity 

σ = interfacial tension 

Nc= capillary number 
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