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Abstract. The race is on towards net zero carbon emissions, and upstream research and service
laboratories are quickly shifting from enhanced oil recovery laboratory analyses to CO2 injection
for storage. For the storage purpose, CO: is usually injected into geological formations (i.e., saline
aquifers and depleted oil and gas reservoirs) as a dense supercritical fluid (Temperature > 31°C,
Pressure > 7.38 MPa). The goal of this paper is to review some supercritical concepts and theory
regarding CO: injection and storage, and to highlight laboratory and instrumentation considerations
when working with supercritical CO2. Once CO: dissolves into brine, carbonic acid forms which
can interact with various minerals of the host rock, resulting in porosity and permeability changes.
Therefore, geological CO; storage requires understanding of multiphase flow behaviour in porous
media to evaluate COz injectivity and transport, COz residual trapping, and the risk of CO2 leakage.
The geochemical reactions occurring during CO2 injection can alter rock pore structure, which
further impacts capillary pressure and wetting and non-wetting phase relative permeabilities. This
paper will review and discuss pertinent phase behaviour, mass transfer, fluid-fluid and fluid-rock
interactions associated with CO: injection into saline aquifers and waterflooded depleted oil
formations as principal targets for geological carbon storage. Depending on mineral composition,
temperature, pressure, flow regime, brine composition, multiphase flow of CO2 and water, and
initial pore structure, some minerals may dissolve due to the formation of carbonic acid and pH
reduction. We highlight challenges in working with supercritical CO2, with liquid-like density and
gas-like viscosity, compared to CO2 gas such as measuring pH at in-sifu conditions. Stability of
clay and carbonate minerals in deep saline formations is strongly affected by pH changes in this
region. Usually, pH of the brine samples taken from coreflooding setups during the course of CO2
injection is measured at ambient conditions. However, once brine samples are brought to low-
pressure conditions, COz is released leading to an increase in pH, which is not representative of the
high-pressure high-temperature in-situ conditions. Knowing that pH is important to understand
chemistry of the subsurface fluids in the context of geological carbon storage, we review laboratory
practices and suggest analytical methods. Considering various factors of rock mineralogy, sub-core
heterogeneity, and wettability is crucial for optimizing COz storage and ensuring the long-term

success of geological carbon sequestration.
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1 Introduction

Carbon dioxide is a greenhouse gas that causes
global warming and climate change. To decrease the
amount of CO» in the atmosphere, one method is to
capture it from industrial processes and store it in
geological formations safely and effectively. It is
essential to comprehend the CO, behaviour in
geological formations to guarantee that the storage
is successful, and that the CO, is securely and
permanently trapped underground.

The preferred geological formations for CO;
storage are depleted oil and gas reservoirs and saline
aquifers due to their large storage capacity [1, 2].
Deep saline aquifers, in particular, are considered
the best option because they have great storage
potential and are unlikely to cause negative
environmental impacts [3]. However, there are
potential drawbacks associated with CO> storage in
saline aquifers such as the need to build
infrastructure from scratch and the possibility of
aquifer over-pressurization [4]. There is also limited
data on the long-term behaviour of CO; in these
formations, as well as overall lack of
characterization data when compared with depleted
oil and gas reservoirs, which underscores the
importance of characterization, monitoring and
verification programs for the current and future CO,
storage projects.

Typically, CO, is injected into geological
formations as a supercritical fluid. However,
dynamic pressure-temperature conditions and
changes in the brine salinity can cause CO, phase
change. Thus, it is necessary to investigate the
behaviour of other CO; phases (gas and dense liquid
for instance) in the context of geological storage. To
understand the CO, trapping mechanisms involved
in subsurface formations, it is important to have a
fundamental understanding of the physical
chemistry of CO»-brine-rock systems, which is the
typical rock-fluid system found in aquifers and oil
reservoirs [3, 5-7]. Critical physicochemical
parameters include solution pH, which controls
mineral stability and caprock integrity, as well as
reactions rate(s) and equilibrium state of the
reservoir rocks, that significantly affect changes in
the formation's porosity and permeability [8, 9].
Ultimately, these factors determine the total CO»
storage capacity, via different trapping mechanisms
(as described below), and injectivity at a given site.

This article presents a thorough explanation of
the principles involved in the injection and storage
of carbon dioxide in geological formations, with the
focus on saline aquifers and depleted oil and gas
reservoirs. In this article, we examine the behaviour
of carbon dioxide in various geological conditions
as well as its interactions with the host rock,
formation brine, and residual oil. Additionally, it
provides an overview of laboratory and

instrumentation considerations when dealing with
supercritical carbon dioxide, including the effects of
multiphase flow in porous media and geochemical
reactions. We also emphasize the importance of in-
situ pH measurement as a crucial indicator in
exploring the physical and chemical characteristics
of COs-brine-rock systems at typical storage
conditions.

2 CO2 phase behaviour and its
interactions with fluids

CO; injection into deep saline aquifers creates a
complex system involving  geomechanics,
geochemistry, and non-isothermal effects. The
properties of this system depend on the rock
properties, fluids involved, and temperature and
pressure conditions [10]. The fate of CO, is
controlled by fluid dynamics, dissolution into brine,
and mineral formation due to chemical reactions.
These reactions can alter the rock pore structure and
affect capillary pressure and relative permeabilities
of different phases.

CO, can be injected into the geological
formations as supercritical dense phase, dissolved in
brine (i.e., carbonated waterflooding), or in the form
of dense liquid phase [6, 11-13]. CO; is a
supercritical fluid at pressures above 7.38 MPa and
temperatures above 31°C (Fig. 1). In its supercritical
state, CO, has a liquid-like density but gas-like
viscosity. In the case of CO, injection into saline
aquifers, the target depth for CO, storage must be
greater than 800 m, so that CO, will be in the
supercritical state. This has an operational advantage
for CO, storage as more volumes of CO, can be
stored per unit pore volume.
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Fig. 1. COz phase diagram [14]

Dissolution of CO; into the brine phase leads to
a system of geochemical reactions which provide
important characteristics for evaluation of CO»
storage in saline aquifers. The overall transport
process involves convective mixing and molecular
diffusion of CO, through saline aqueous phase,



reactions with the host minerals, and convective
mixing at the CO,-brine interface that dominates the
rate of CO; dissolution [15]. CO; solubility in brine
increases with pressure and decreases with
temperature and salinity [16, 17]. The effects of
pressure and temperature on pH of a reservoir brine
sample, saturated with CO,, as well as CO,
solubility in brine are shown in Fig. 2 and Fig. 3,
respectively. The maximum CO, solubility in a
synthetic brine (5.5 wt.% NaCl, 2.0 wt.% KCl, 0.45
wt.% MgCl,, and 0.55 wt.% CaCl,) at 40°C and 30
MPa was reported to be less than 1.2 mol/kg [16].
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Fig. 2. pH of a synthetic brine sample (5.5% NaCl,
2.0% KCl, 0.45% MgCla, and 0.55% CaCl,) saturated
with CO2 as a function of temperature and pressure,
simulated using PHREEQC software [16]
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Fig. 3. CO: solubility in a synthetic brine sample (5.5%
NaCl, 2.0% KCl, 0.45% MgClz, and 0.55% CaClz) as
a function of temperature and pressure [16]

During CO; injection into saline aquifers, the
CO; plume displaces brine at the pore-scale along
with some CO; dissolution in brine, and the brine
phase also dissolves into CO,. The mass transfer of
water into CO; is similar to evaporation of water and
is also known as dry-out phenomenon. Dry-out
increases salinity, leading to salt precipitation in the
pore system [18, 19]. This can potentially result in
pore blockage and permeability impairment, which
can in turn affect CO, storage efficiency. Therefore,
studying the phase behaviour of CO,-water system
at the storage condition is an important step in

evaluation of CO, injection for storage. Various
methods have been used to determine water
solubility in CO,, and thermodynamic models have
been developed for water-CO, phase equilibrium
[20-24]. Wang et al. used in-situ quantitative Raman
spectroscopy to measure water solubility in
supercritical CO, at temperature and pressure ranges
of 313.15-473.15 K (40—-200°C) and 10 — 50 MPa,
respectively, and improved the water solubility
models using these measurements [25]. It was
concluded that increasing the temperature causes an
exponential increase in solubility of water in
supercritical CO,, whereas a more complex
relationship exists between pressure and water
solubility in CO; (Fig. 4).
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Fig. 4. Water solubility in COz [25]

Another target storage site for CO; is depleted
oil and gas reservoirs. In the case of CO> storage in
waterflooded oil layers, some flow assurance
challenges could arise when injected CO, is brought
in contact with waterflood residual oil [26-29]. At
higher injection pressures associated with
supercritical CO» sequestration, increased CO;
solubility in waterflood residual oil may trigger
asphaltene destabilization and precipitation, which
could result in permeability impairment depending
on flow dynamic conditions, asphaltene content of
the in-situ oil, temperature and pressure. In addition,
the interfacial behaviour of hydrocarbon-brine
systems is also influenced by the amount of
dissolved CO; [30, 31].

In order to assess the performance of any CO,
storage project, it is required to fully characterize the
fluid pair systems containing CO,. These include
CO,-brine as well as CO»-oil fluid systems. Phase
behaviour of CO,-crude oil and CO,-gas mixtures
have been extensively studied in enhanced oil
recovery (EOR) studies and can be used for
understanding the behaviour of CO; in the presence
of organic compounds for CO; storage in depleted
oil and gas reservoirs [3, 32-34]. For the CO»-oil
fluid system, diffusion of CO; in oil reduces oil
viscosity and density. The effective diffusion
coefficient of supercritical CO; in n-decane in Berea
core samples (50 and 100 mD permeabilities) was



determined at high pressure and high temperature
(HPHT) conditions of 10 — 25 MPa and 333.15 —
373.15k (60 — 100°C), respectively [35]. The
diffusion coefficient of supercritical CO, in oil
increases with  pressure, temperature, and
permeability, and the effect of pressure on the
diffusion process becomes less important at elevated
temperatures. Furthermore, it was shown that the
CO, diffusion in the bulk oil phase (i.e., n-decane)
is impeded in the presence of porous media [35].

Mosavat and Torabi [12] measured CO»
solubility in light crude oil using a high-pressure
see-through-windowed cell (Fig. 5). Initial and final
volumes of CO> were determined at various
temperatures and pressures by taking photos from
the cell, and the amount of CO; dissolved in oil was
calculated using mass balance and ideal gas
equations.
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Fig. 5. COz solubility in light crude oil as a function of
pressure [12]

The topic of oil solubility in supercritical CO,
has also been investigated in the literature. The
solubility of non-polar hydrocarbons in supercritical
CO, is significantly higher than that in gaseous CO».
The enhanced solubility is attributed to the liquid-
like density of the supercritical CO, which promotes
strong attractive forces. Decreasing the supercritical
fluid density through expansion to subcritical
pressure or a relatively small increase in temperature
leads to a reduction in supercritical CO, dissolving
power as well as separation of the extract and CO..

The n-alkanes solubility in supercritical CO, at
318 — 343k and pressures up to 32 MPa was
measured in a fixed volume, high-pressure-view
chamber with the aim of obtaining a correlation
between CO, density and n-alkanes solubility in
supercritical CO; [36]. The hydrocarbon content of
the high-pressure cell was stirred to attain the
setpoint temperature. Once the setpoint temperature
was reached, CO, was injected into the cell until a
clear transparent single phase was formed. After
equilibration, the system was gradually
depressurized by letting out some CO; until
precipitation of the solute out of the single-phase

solution was visually detected, which results in
cloudiness of the mixture in the high-pressure cell
(Fig. 6). System pressure at this point is the cloud
point pressure of the solvent (i.e., CO) and the
solubility is calculated as follow:

(my/M;)

o) — — (Ma/My)
x(%) [my/M1+@opo)/Mo]

x 100 1)
where, x is the mole fraction of the solute, m; is the
mass of the solute, vy is the cell volume, py is the
density of CO,, and M; and M, are the molecular
weights of solute and CO», respectively.

The solubility of n-alkanes (S in kg/m?) can then
be obtained as follow:

pMix
T [My(1-x)] )

It was shown that hydrocarbon solubility has
direct impact on CO, density. Furthermore, an
increase in pressure is accompanied with an increase
in the n-alkanes solubility in supercritical CO»,
while their solubility has inverse relation with
temperature and chain length [36].

Q@O0

(a) (c)

Fig. 6. Solubility of n-hexane in supercritical CO> at
45°C and a) P=5.445 MPa, b) P=5.445 MPa under
stirring, ¢) P=7.712 MPa under stirring, and d) P=8.630
MPa under stirring [36]

3CO2 interactions with rock
minerals

COy, in all forms of gas, liquid, dissolved in water
or supercritical can react with cations in the
formation water, leading to precipitation of
carbonate minerals, which is illustrated in the form
of reactions 3 to 5 below [2, 6]. This conversion of
CO; to carbonate minerals, also known as mineral
trapping mechanism, is considered as the safest
storage mechanism with minimized leakage
likelihood [37]. However, carbonate mineral
precipitation could potentially lead to some flow
assurance issues if other conditions for
agglomeration and deposition are met, which
ultimately may adversely impact the reservoir
quality for carbon storage.

CO, + Mg?>* + H,0 »> MgCO5 + 2H* 3
CO, + 2Na* + H,0 - Na,C0O5 + 2H* (4)
CO, + Ca** + H,0 - CaCO; + 2H* (5)

Another important aspect of CO; injection into
geological formations is the dissolution of CO; in



the aqueous phase which leads to the formation of
weak carbonic acid (reaction 6). Carbonic acid has
two acidic hydrogens and two dissociation constants
(reactions 7 and 8) [38, 39].

C02+H20 (_)H2C03 (6)

H,CO; & HCO3™ + H*  pKa=3.6at25°C  (7)

HCO3™ & CO;%™ + HY  pKa=1025at25°  (8)

The dissociation of carbonic acid initiates a
series of reactions with in-situ fluids and formation
rocks depending on temperature, pressure, flow
regime, fluid composition, and minerology of the
rock. Some of these reactions may be beneficial to
the CO, storage (i.e., increased accessible pore
space, enhanced surface injectivity through
increased permeability, and enhanced storage
through mineral trapping) while others may
adversely impact the CO, storage (i.e., impaired
permeability due to inorganic deposition facilitated
with mineral re-precipitation, formation of CO»
migration pathways, and caprock failure) [16, 38,
40-42]. Due to the dissociation of carbonic acid, an
acidic solution with the pH of 3.4 is formed upon
dissolution of CO,. The formation minerals are
susceptible to carbonic acid. They may be dissolved
and eventually leach out [5]. This mineral
dissolution, particularly for the case of caprock
minerals, is crucial to understand in order to
examine caprock integrity to address CO, leakage
issues. The minerals can react with acid under very
different dissolution rates. The extent of CO»-brine-
rock interactions is governed by the dominant state
of carbonic acid with respect to pH [16]. The
reactions that occur depend on the mineral
composition and are affected by temperature,
pressure, flow regime, brine composition,
multiphase flow of CO; and water, and initial pore
structure [40, 43, 44]. Carbonate minerals such as
calcite, dolomite, magnesite, and some magnesium-
carbonate minerals tend to precipitate (reactions 9-
15), while clay minerals dissolve [2, 5, 40, 42, 45].

Calcite + H* - Ca?* + HCO;~ )
Kaolinite + 6H* — 5Hy0 + SiOy(qq) + 2413+ (10)

Anorthite + 8H* — 4H,0 + 2Si0,(qq) + 2A13* +

Ca2* a1
Dolomite + 2H* — Ca?* + Mg?* + HCO5~ (12)
Illite + 8H* - 5H,0 + 0.6K™ + 0.25Mg** +
23413 + 3.55i054g) (13)
Chlorite + 16H* - 12H,0 + 5Fe?* + 2.3A13% +
3Si03¢aq) (14)
Quartz + 4H* - Si** + H,0 (15)

The reactions of carbonates and other minerals
with CO,-saturated brine leads to the consumption

of protons and increase of the brine pH. Therefore,
metal ions are released to the solution. At high
concentration of metal ions, the increase in pH can
lead to reprecipitation of some minerals. The
precipitation or reprecipitation of minerals within
the shale matrix may lead to “self-sealing of
fractures” and “caprock strengthening” [44, 46-49].
The effects of mineral dissolution and re-
precipitation on the pore system and permeability of
shale have not been well described in the literature.

4 CO2-brine systems and the pH

Understanding in-situ brine chemistry is important
when injecting foreign fluids (i.e., chemicals, carbon
dioxide, a secondary brine phase etc.) into the
geological formations. This is necessary for
investigating the kinetics of mineral dissolution,
designing optimal salinity and pH windows for
chemical injections, as well as studying the
compatibility between the in-situ and injecting
fluids [50]. The in-situ brine pH is a critical
parameter, and knowledge of the dynamic pH
changes at high-pressure conditions in geological
carbon storage is essential for proper interpretation
of the reactive transport phenomena and associated
geochemical reactions. However, real in-situ
measurements of pH under high pressure conditions
during CO; injection into saline aquifers or depleted
oil reservoirs have not been studied extensively in
the literature. Considering several chemical and
geochemical reactions occurring between the
injected CO,, in-situ brine, injected brine (if
carbonated water is being injected), rock minerals
and in-situ oil, knowledge of the pH variations
provides insights into the extent, type and rate of
these reactions. It also helps to diagnose some other
phenomena associated with these reactions. For
instance, dissolution of CQO; in brine results in
production of carbonic acid and pH reduction, which
also reduces the crude oil emulsion(s) stability [51].
On the contrary, when the COs-saturated brine
reacts with carbonates and other minerals, protons
are being consumed which results in pH increase.
Typically, the solution pH in CO,-brine systems
is estimated through calculation based on solubility
of CO; in the aqueous phase using Henry’s law and
the known first and second dissociation constants of
carbonic acid at the corresponding temperature,
pressure, and electrolyte composition. Geochemical
simulators such as PHREEQC and EQ3NR are
being used for calculating pH values at high
temperatures and pressures [16, 38, 52, 53].
However, these pH predictions become difficult in
high ionic-strength  solutions, and limited
experiments have been conducted to validate the
results of such simulations for the CO»-brine
systems. In addition, there are discrepancies
between simulations and experimental results [54].



Two common methods used for measuring pH in
CO»-brine systems under reservoir conditions are
electrometric and optical [55, 56]. Optical methods,
such as UV-vis spectrophotometry, are rapid,
simple, and precise. In this technique, the pH is
measured through observing the spectra of a pH
sensitive dye (i.e., bromophenol blue). However,
they have not been extensively applied for CO»-
brine systems at HPHT conditions due to the need
for introduction of an indicator to the system which
may not be stable under these extreme operating
conditions.

A common practice for measuring pH has been
to collect brine samples from the effluent of
coreflooding setup or the batch reactor containing
CO,-rock-brine mixture. A pH-sensitive glass
electrode, a reference electrode, and a meter are then
used to measure pH of the degassed brine samples.
However, this type of fluid analysis does not
represent real in-situ test conditions because pH
variations as a result of pressure and ionization
equilibrium reactions will not be captured. Peng et
al. conducted a study using an electrometric
technique to investigate how pH is affected by
temperature, pressure, and CO; solubility in water
[9]. This study is relevant to CO, sequestration in
deep formations with temperature and pressure
ranges up to 423 K and 15 MPa, respectively. It was
found that the reference electrode (Ag/AgCl) was
vulnerable to sudden pressure drops, leading to
leakage in the system. The solution pH was found to
have a direct relation with temperature (Fig. 7(b))
and CO; content (Fig. 8), but an inverse relation with
pressure (Fig. 7(b)).

Different solid-state metal oxides, especially
iridium oxide film electrodes, have been found
superior in performance compared to the
conventional glass electrodes due to their long
lifespan, mechanical stability, corrosion resistance,
fast response, and high sensitivity [50, 57, 58]. The
effectiveness of iridium oxide-based chemical
sensors for in-situ pH measurement of the produced
water samples under HPHT and high-salinity
conditions was evaluated in the literature, and the
measurements were found to be highly accurate and
also not disturbed by the high pressure condition.
These sensors seem to be a promising tool for pH
measurement in such harsh operating conditions of
high pressure, temperature and salinity. As an
example, Yu et al. [50] studied the performance of
an iridium oxide-based chemical sensor for in-situ
measurement of pH of produced water samples
under high pressure (up to 3000 psi), high
temperature (up to 80°C), and high salinity
condition. Despite the presence of interfering ions
(i.e., Na*, Mg?, CI, SO4*), the iridium oxide pH
sensor proved to be highly sensitive and showed a
slight positive shift in pH potential when sodium
chloride was present.

5 Experimental studies of COz2
storage in geological formations

Understanding the multiphase flow in porous media
at the pore-level is crucial in evaluating the long-
term destiny of the CO, being injected into a
geological formation. This understanding is
essential in comprehending the underlying physics
at the macroscopic scale. The formation
heterogeneity, = characterized by  porosity,
permeability and capillary pressure distributions
complicates the process of CO; dissolution [59, 60].
Therefore, detailed knowledge of the geological
architecture and permeability is necessary. Several
mechanisms contribute to CO, storage in saline
aquifers, including structural trapping, residual
trapping, solubility trapping, and mineral trapping,
and their interaction is intricate, time-dependent,
and heavily influenced by local conditions [3, 5-7].
This complexity highlights the need for a
comprehensive understanding of the mechanisms
involved.

Structural trapping occurs when the injected CO»
is trapped below an impermeable caprock due to the
buoyancy effect. Residual trapping occurs when the
injected CO» flows through the rock pores and
displaces the in-situ fluids, leaving behind small
trapped droplets of CO, due to capillary forces.
Solubility trapping occurs over a longer period of
time, where a portion of the injected CO, is
dissolved into the formation brine at the pore-level,
which is greatly dependent on various factors such
as salinity, pH, temperature, and geological
structures. Lastly, mineral trapping happens when
the formation brine, containing dissolved CO,,
reacts with rock minerals. There are several
important parameters affecting CO, mineral
trapping including temperature, pressure, salinity,
rock mineral composition, aquifer thickness and
anisotropy, and the number of aquifer layers [7, 19].
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For the case of CO; storage in saline aquifers,
experimental studies and theoretical calculations are
needed to comprehend the chemical interactions
between the CO, and brine-saturated rock samples.
Several lab-scale coreflooding experiments have
been conducted to simulate CO; injection and
migration processes in deep saline aquifers. A
partial list of these experimental case studies is
provided in Table 1, along with information on
rock/fluid properties, operating conditions, and
measurement techniques associated with each
reference. These experiments were all performed

under in-situ HPHT conditions. The porous media
prototypes used in these studies include synthetic or
real core plugs, stacked core assemblies, or packed
beds of glass beads. Various analytical techniques
were used for rock and fluid characterization, as well
as quantification and visualization of rock-fluid
interactions for the CO»-brine multiphase migration
through the porous structures.

Rock mineralogy plays a crucial role in the long-
term success of CO, geological storage due to the
variety and extent of the chemical and geochemical
reactions between the injected CO», native fluid(s)
in place, and rock minerals. Rosenhauer et al. [38]
conducted experiments to study reactions between
CO; and natural and synthetic brines in the presence
of limestone and sandstones. They found that the
reaction of COj-saturated low-sulfate brine with
limestone dissolved 10% of calcite and increased
porosity by 2.6%, while the porosity decreased by
4.5% in the presence of high sulfate brine. They also
observed that CO, solubility in brine was enhanced
by 6% and 5% in the presence of limestone and
arkosic sandstone, respectively. Various analytical
techniques  including  coulometric titration,
inductively coupled plasma — atomic emission
spectroscopy (ICP-AES), ion chromatography (IC),
and potentiometric titration were used to measure
the concentration of dissolved species and pH.

Lin et al. studied the physicochemical
interactions in the supercritical CO,-water-rock (i.e.,
quartz, biotite, and granite) systems using a
hydrothermal autoclave cell at 100°C [61]. The
hydrothermal effects on the primary minerals and
the occurrence of any secondary minerals were
evaluated using scanning electron microscopy
(SEM) and energy dispersive X-ray analysis (EDX).
Four reaction systems were considered in this study:
supercritical CO»-rock without water, water-rock
without CO; (i.e., the control sample), supercritical
COs-saturated steam-rock, and CO,-water-rock.
When water was not present in the system, no
distinct chemical alterations were observed in the
supercritical CO-rock system. Furthermore, the
elemental concentrations in the supercritical CO»-
biotite system with water were significantly greater
than that in the water-biotite system, which
highlights the impact of supercritical CO; on the
chemical alterations.

Shi et al. conducted a study to determine the CO»
residual saturation and understand how CO; is
trapped in the saline aquifers [62]. They injected
supercritical CO, and CO,-saturated brine into a
Berea sandstone core at 10 MPa and 40°C and used
an X-ray CT scanner to map changes in the fluid
saturation and porosity throughout the core. The
results were then simulated using a 1D model, where
air-water capillary pressure data were used in the
absence of relative permeability data as a first
approximation for the CO,-brine system.

Table 1: Some selected laboratory studies on CO2 geological sequestration in saline aquifers



COz Initial
physical Rock type Porosity and Fluids Analytical and Characterization Methods Ref.
state Permeability
Siltstone caprock _ X-ray diffraction (XRD) and SEM were used to
. Synthetic brine . . .\
(35% quartz, Porosity: analyze the mineralogical composition and
o L o (NaCl, CaCla, .
53% kaolinite, 7.65% morphology of the core samples, respectively.
scCO2 . e KCl, MgCl) . . . [42]
8% muscovite, Permeability: dissolved in Porosity was evaluated with CT scanning and
3% alunite, 1% 0.23 ub L saturation methods. ICP-OES was used for
. deionized water . .
other minerals) analysis of the brine samples.
Shale (Quartz, K- The ions concentrations in brine before and after
feldspar, Albite, Porosity: ~5% | Synthetic brine | each static soaking test were measured with ICP-
scCO2 Calcite, Permeability: (NaCl, CaCla, AES. SEM, XRD, EDS were used to characterize [16]
Dolomite, Pyrite, | ~0.2 uD KCl, MgCl) mineralogical, pore structure, and mechanical
Clay). properties of the core samples.
Water and CO2 were injected into the core
samples in a loop of fluids recirculation from
Permeability: . outlet to the inlet. Steady-state relative
5cCO Berea sandstone 914 mD Brine permeability tests were performed to determine [73]
COo/water relative permeability-saturation
relationship.
Porosity: 0.3-
gCOz, Carbonate 26.8% NaBr brine Porosity and permeability measurements were [43]
scCO2 aquifer (CaCO3) | Permeability: conducted with x-ray CT scanning.
2.9-451.9 mD
3D micro-CT scanning of core samples from a
CO2 .
dissolved | Shale ) COz-satuarated | shale gas reservoir was performed before and after [74]
in brine brine 5 hours of COz-saturated brine injection (flow
rate: 0.1 mL/min).
Relative permeability to brine was first measured
Liquid Porosity: 18% | 3 wt% brine by injecting brine into each vacuumed core at
C 8 Sandstone Brine (NaCl, KCl, constant flow rate and then Darcy equation was [75]
scC2C7) permeability: CaClz, MgCla, used to calculate the absolute permeability for
2 2.74-45.71 mD | MgSO4) each core. COz (liquid or supercritical) was
injected into the core samples at 0.3564 g/min.
Berea porosity
Arqov and Berea and X-ray CT scanning and mercury injection
scCO2 4 permeability: COo/Water capillary pressure (MICP) were used for porosity [76]
Sandstone o .
19.5-19.9% and saturation measurement.
and 276 mD
CO2 Porosity: X-ray CT scanning was used to measure CO2
Fhssolved Berea sandstone 20.5% Water saturation and to observe its spatial distribution. (771
1n water
Porosity: 27% Brine, gCOZ._ Mineralogical analysis was performed by XRD,
gCOa, o saturated brine,
Sandstone Permeability: and the rock sample morphology was evaluated [65]
scCO2 scCOz-saturated .
1.14D . with SEM.
brine
Sandstone porosity: Magnetic resonance imaging (proton NMR) was
Liquid (Quartz, 15.8% used for two-phase CO2/water flow
q Feldspar, Initial water Deionized water | characterization in a coreflooding set up. The [10]
CO2 . e . . o
Dolomite, and permeability: mineralogical composition was assessed through
Clay) 85 mD XRD.




In a field-scale trial of geological carbon
sequestration, Pang et al. studied CO, injection into a
depleted oil reservoir [63]. The post-injection gas and
water samples were periodically collected from the
monitoring wells. Upon analyzing the gas samples,
their methane and CO, contents were found at 86.7 -
95.1% and 0.1 - 1.6%, respectively. It is reported that
the brine samples were not affected by CO; injection
during the monitoring period even though the
analytical method that resulted in this conclusion is not
specified in the paper. The latter conclusion was
reached focusing on the bicarbonate ion concentration
in the water samples, which first gradually decreased
during the first day of CO; injection but then plateaued
for the rest of the monitoring period. The reason was
hypothesized to be related to the CO,-saturated brine
not reaching the monitoring wells during the
monitoring period.

Rathnaweera et al. conducted a study on the
interactions between supercritical CO;, brine and
sandstone rock samples for over 1.5 years of exposure
time at 10 MPa and 40°C [64]. They found that long-
term exposure to CO; caused a significant decrease in
pH as well as dissolution of minerals such as calcite,
siderite, barite, and quartz. This created a drying-out
effect and precipitation of salt, which altered the
mineralogical structure and permeability of the rock
sample(s). The team performed high-pressure tri-axial
permeability measurement tests on the reacted rock
samples and wused SEM analysis to identify
mineralogical changes. It was found that changes in
the pore structure affected the effective stress response
of the rock samples. The elemental composition of the
virgin brine samples was also analyzed using ICP-MS
and ICP-AES methods, but no analysis was reported
on the reacted brine samples after completion of the
high-pressure permeametry tests.

During fracturing of shale reservoirs with HPHT
supercritical CO; as the fracturing fluid, the reactions
between CO», brine and rock samples occur rapidly,
and stronger reactions are likely to occur in the
carbonate-rich shales with higher porosity and
permeability [16]. Furthermore, successful CO»
injection and storage requires geological formations
with adequate permeability and porosity values, and
carbonate-rich sandstones are therefore, the preferred
host rocks [16, 64].

Jayasekara et al. conducted chemical analyses on
brine-saturated siltstone to study the geochemical
equilibrium between the formation fluid and caprock
in order to assess potential caprock integrity failure
[42]. They found that the siltstone permeability to
supercritical CO, was significantly decreased at high
salinities due to the CO, dry-out effect, which resulted
in deposition of water evaporates and evaporites in the
pore space. It was also found that the pH of CO»-

saturated brine, in contact with the rock sample, was
significantly decreased; however, it is not mentioned
whether the pH decrease was experimentally
measured or predicted using a software package. As a
conclusion drawn from this study, aquifers that
contain higher salinity in-situ brine are more
appropriate candidates for CO, storage because over
geological time exposure of their caprock to the high-
salinity brine, significant reductions in its porosity and
permeability has had occurred, resulting in greater
caprock integrity when long-term storage of CO> is
concerned.

To evaluate changes in the topology of minerals
and elemental composition of sandstone core samples
for CO, sequestration, microscopic image analysis
was used [65]. The samples were reported to be
homogeneous with an average porosity of 27%,
obtained using saturation method, and permeability of
1.14 Darcy. According to the XRD mineralogical
analysis, the samples were mostly composed of 79.5
wt.% quartz and 4.34 wt.% kaolinite. This elemental
composition was changed due to the CO»-brine-rock
interactions. The presence of brine accelerated these
changes. Furthermore, the porosity of samples reduced
after saturation with supercritical CO;, (scCO,)-brine
and gaseous CO,-brine fluids due to precipitation of
clays that clogged the pores. This porosity reduction
was more pronounced in the samples saturated with
scCO,-brine fluid.

During CO,-EOR process, CO; can be trapped at
the pore-scale through capillary and solubility
trapping; the two mechanisms that are mainly
controlled by pore structure and wettability [66].
Various studies have investigated the effects of
wettability and heterogeneity on 2-phase oil-water
flow dynamics [67, 68]. However, the trapping
mechanisms are more complex when a gaseous and/or
supercritical phase CO, is involved, where two
conflicting views have been reported in the literature.
On one hand, it is believed that the CO, trapping
efficiency increases when the pore system becomes
more water-wet [66]. The other perspective states that
the CO; trapping efficiency increases when the pore
surface becomes less water-wet [69, 70].

Liet al. used CT images to study the effects of pore
geometry and wettability on the 3-phase flow
involving CO,, oil and water under immiscible
conditions. Their findings indicate that strong
heterogeneity and water-wet conditions are more
favorable for CO, trapping [71]. In a water-wet
system, CO, was trapped as gas-in-water, whereas in
an oil-wet system, CO, was directly surrounded by oil
and occupies the pore space originally filled by oil and
water. These experiments were carried out at
atmospheric pressure and room temperature to avoid
miscibility. However, CO; is found in supercritical or



liquid form under reservoir conditions, and there is a
need to study the 3-phase behaviour for these CO»
physical states.

Several studies have examined how the
distribution of fluids in porous media is affected by
sub-core heterogeneity, and how this affects the ability
of formations to sequester CO, through residual
trapping mechanism. For instance, Kou et al. [72]
conducted tests on two types of core samples with
different permeability levels to study how the sub-core
heterogeneity affects the behaviour of supercritical
CO»-brine mixtures. They used nuclear magnetic
resonance (NMR) measurements at both the core and
sub-core scales and found that ignoring the sub-core
scale heterogeneity can lead to significant
uncertainties in predicting storage and fluid flow
displacement during the CO; injection.

6 Conclusions

In this article, we discussed the potential of CO,
storage in geological formations as a solution method
to mitigate global warming. Saline aquifers and
depleted oil and gas reservoirs are the preferred
reservoirs due to their large storage capacity. Injection
of CO, into these formations requires a detailed
understanding of multiphase flow behaviour, fluid-
fluid and fluid-rock interactions. The article presented
a review of experimental studies on the CO, phase
behaviour associated with CO, storage in geological
formations and its interactions with formation brine,
remaining oil in place, and formation rock. Changes in
capillary pressure and relative permeability properties
due to the CO»-induced interactions requires more
quantification efforts and site-specific reservoir data,
and its comprehensive review could be the subject of
a separate review article. During CO, injection,
multiphase equilibrium can be encountered and there
is a need for building thermodynamic models and
robust algorithms for such systems. pH changes can
affect the stability of clay and carbonate minerals, and
dissolution, transport, and re-precipitation of
carbonate could occur when CO; is being injected into
a carbonate reservoir. Therefore, a better
understanding of the physicochemical properties of
CO,-brine systems, especially in the presence of
porous media, is essential to advance the field of
geological carbon storage and improve the
sustainability of energy industry.
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