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Abstract. Relative permeability for multiphase flow through porous media is an essential petrophysical property
for evaluating the hydrocarbon production in the oil and gas industry. The numerical analysis of relative permeability
using digital rock is a complex problem especially for rocks exhibiting pores with multiple length scales. In digital
rock analysis, micro-CT images of sufficient resolution and quality are necessary to capture the pore-scale geometry
of the rock and perform direct numerical simulation of the flow. However, there is always a tradeoff between image
resolution and computational cost associated to model size analysed, and a single scale image cannot resolve all
pore sizes for heterogeneous rocks. In the present study, a unique multiscale extension to the multiphase Lattice
Boltzmann model (LBM) is developed to study relative permeability in a typical heterogeneous carbonate rock
sample. In a heterogeneous carbonate rock micro-CT image, the relatively large pores are resolvable while others
are under-resolved and can be treated as an effective porous media (PM). The flow behaviour of the segmented PM
regions is represented by a set of constitutive relationships (absolute permeability, k, capillary pressure, P., and
relative permeability, k,.) that are precomputed on a suitable sample of PM material type. The relative permeability
simulated by the multiscale model is compared with results from a high resolution model and shows good agreement
to this validation data. The developed LBM extension and proposed workflow can be utilized to numerically predict
relative permeability of rocks with multiple pore length scales such as carbonates, shales and tight sandstones.

1 Introduction

Multiphase flow in natural rocks is a process of significant
importance in many geological study areas, such as hydrocar-
bon production, and storage of CO, and natural gas in geo-
logical reservoirs. The design and management of these ap-
plications rely on reservoir-scale models, which require
petrophysical rock properties as input for accurate represen-
tation. Essential properties in this context are capillary pres-
sure (P.) and relative permeability (k,) which are complex
nature and time consuming to measure. In rocks with com-
plex pore structures including multiple spatial scales, for ex-
ample, carbonates and clay-rich tight sandstones, these prop-
erties can strongly deviate from classical relationships.
Therefore, there is a large interest to understand the physics
underlying the multiphase flow behavior of such multiscale
heterogeneous samples.

Digital rock technology has been developed in the past
two decades. It involves the construction of 3D representation
structures at the pore-scale and offers a direct presentation of
multiphase flow properties at reservoir conditions. This de-
velopment was possible thanks to the availability of 3D im-
aging technology such as x-ray micro-tomography (micro-
CT), and high performance computing, which allows to sim-
ulate oil/water flow on large complex pore structures models
extracted from a micro-CT image of a rock sample. Flow sim-
ulations based on the Lattice Boltzmann method (LBM) have
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been particularly successful due to the level of accuracy on
capturing the relevant physics of multiphase flow and wetta-
bility [1-7]. The LBM solver approximately solves the three-
dimensional transient Navier-Stokes equation and provides
detailed insights into the flow dynamics inside a complex
rock geometry. However, rocks with pore sizes spanning
multiple scales have been challenging for digital rock simu-
lations, since micro-CT imaging focuses on a single scale and
there is a tradeoff between enough resolution to capture the
most relevant pore types and large enough volume to be sta-
tistically representative. Therefore, some pore types are left
under-resolved in micro-CT images, and ignoring their con-
tribution to flow simulation can lead to large errors, particu-
larly for two-phase flow simulations where the wetting-phase
connectivity in the under-resolved pores can be critical in un-
derstanding multiphase flow mechanisms.

There are several studies on multiscale extensions of
multi-phase pore-network models [24, 25], and on single
phase multiscale simulations with voxel based models like
LBM solver where the viscous force from under-resolved po-
rous media was modeled by a resistance term in the Brinkman
equation and its permeability was derived at finer resolutions
[26-32]. Recent studies [33-34] have discussed multiphase
fluid flow in the multiscale pore structures. The study in [33]
computed relative permeability by solving the transport equa-
tion for the total energy, Helmholtz free and kinetic energy
without referring to physical properties such as the capillary
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pressure. In [34], the saturations are calculated in the finer
scale using a Young-Laplace relationship and used to esti-
mate capillary pressure in under-resolved regions, but there
was no fluid simulation with pore connectivity.

In the previous study [8-11] we introduced an extension
to our LBM fluid flow solver to account for single-phase and
two-phase flow in under-resolved porous regions in addition
to resolved pores and presented simulation results for abso-
lute permeability and capillary pressure [10]. In this study we
describe an extension of multiscale workflow to relative per-
meability simulations to investigate the impact of under-re-
solved pores on multiphase fluid flow.

2 Methodology

The multiscale workflow introduced in [8, 10] is based on a
fundamental assumption of pore typing. Similar to the
lithology rock typing at the sedimentary scale, we can have a
classification of pore types based on similarity in pore
structure topology. This assumption allows us to simplify the
problem into two parts: (1) Classify a large set of regions as
belonging to the same PM pore-type; (2) chose one sample of
the PM pore-type regions to represent them all.

This representative PM pore-type sample can be 3D
imaged at high resolution using for instance focus ion beam
microscopy or laser confocal microscopy, and the resulting
high resolution 3D model can be used to simulate the flow
curves for this PM pore-type class.
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Fig. 1. Pore-type correspondence with constitutive relationships.

There is a distinctive relationship between a pore-type
micro-structure and the resulting flow curves. A set of flow
curves that completely represent the two-phase flow behavior
of a pore-type micro-structure are: absolute permeability
ko(¢p), capillary pressure P.(S), and relative permeability
k,-(S); together they are referred to as “constitutive relation-
ships” in this study. In Figure 1 we show an example of four
different pore-type micro-structures and the associated con-
stitutive relationships.

This unique approach allows fluid flow in both resolved
and under-resolved pore space, where pre-computed consti-
tutive relationships are used to describe the flow in those un-
der-resolved regions like in a continuum two-phase flow
model. The under-resolved pore regions are referred to as po-
rous media or PM regions. Although in the study cases shown
in this paper we use only one PM pore-type, the workflow can
work with multiple PM pore-types as far as we are able to
differentiate them in the segmentation step and obtain one
sample per PM pore-type to compute their corresponding
constitutive relationships. In this section we will describe the

general multiscale workflow, the LBM method and its exten-
sions for multiscale scenarios. Afterwards, the specific setup
for the multiscale relative permeability simulations is pro-
vided.

2.1 Multiscale workflow

The multiscale workflow introduced in [8, 10] is outlined in
Figure 2 illustrating its application to a carbonate rock
sample where large pores (vugs) are present along with
microporous PM regions (diagenetic micrite). This workflow
consists of modelling two scales, namely a large scale at
coarse resolution (micro-CT segmentation and porosity
estimation), and a small scale at high resolution (simulation
of PM constitutive relationships). On the large scale, the
micro-CT scan 3D image is analysed to classify each gray-
scale voxel as pore, solid or PM, and along with an estimation
of local porosity for each voxel, 1 for pore, 0 for solid, and
[0-1] for PM. On the small scale, a representative model of
the under-resolved PM region is used for simulation to obtain
physical properties such as absolute permeability kq(¢) ,
capillary pressure P.(S), and relative permeability k,.(S)
with respect to the local porosity and the local water
saturation. Finally, the results of small and large scale
analyses are used as input to perform the multiscale
multiphase simulation. More details of this multiscale
workflow are available in [8, 10]. The present work starts
from this multiscale framework, but focuses on further
improvements and specific setup for relative permeability
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Fig. 2. Multiscale workflow. [12]

On the large scale, the micro-CT scan 3D images are
analysed and segmented, which means identifying resolved
pore and under-resolved pore regions. The under-resolved
pore regions contain voxels where the pore structure is
smaller than the micro-CT image resolution, which we label
as porous media (PM) voxels. In a typical image
segmentation, pore and solid voxels are shown as black and
white, while a gray scale indicates a PM voxel as shown in
Figure 2. Our previous study [8, 10] shows how a numerical
model in terms of the solid/pore fraction accounts for the
under-resolved porous structure’s effects in PM voxels. It is
common to have under-resolved regions with different
distinct characteristics. The PM voxels are grouped according
to their similar attributes, e.g. shape (channel-like or web-
like), grain size or heterogeneity. Each group is assigned an
ID (i.e., pore-type number) and is characterized separately.
Local porosity values in under-resolved PM regions can be
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estimated by a linear transformation from the micro-CT
grayscale values as mentioned in the previous paragraph, and
the transformation is performed on the entire PM region of a
given PM pore-type. Alternatively, a porosity model can also
be generated statistically with some knowledge of mean
porosity and standard deviation, and the image porosity can
be further improved by applying a Gaussian smoothing filter
to remove the noise.

If the constitutive relationships of the under-resolved PM
pore-types can be associated to existing models in a library of
pre-computed PM models, the segmentation, porosity image,
and the constitutive relationships for the PM pore-types will
be sufficient for our multiscale multiphase flow solver to
perform an accurate simulation. On the other hand, if the PM
pore-types at hand are new to the library, we need to obtain a
high resolution 3D image model of a representative region of
the PM pore-type in order to perform fully resolved flow
simulations to obtain the corresponding set of constitutive
relationships which will be used to define the effective flow
resistance and capillary force in the PM voxels as described
in the next section.

2.2 Lattice Boltzmann method and multiscale extension

The lattice Boltzmann method (LBM) is a computational
fluid dynamics (CFD) technique that has gained popularity
among petroleum engineers for its suitability to simulate fluid
flow in complex geometries such as in reservoir rock porous
structures. It offers a unique and efficient approach to model
complex multiphase flow phenomena, such as oil and gas
reservoir behavior, with its ability to capture both
macroscopic and mesoscopic flow properties [13-17]. LBM
is well-suited to simulate complex phenomena such as
multicomponent fluid interaction, fluid-solid interaction,
immiscibility, and capillary effects. Due to the wide range of
length scales in pore sizes present in some important reservoir
rock samples, such as carbonates, typically from nanometers
to millimeters, our proposed solution and workflow represent
an effective technology to provide a robust and accurate
multiscale simulation.

The LBM approach is based on the kinetic theory, which
describes fluids as ensembles of particles, neither single
particles nor continuous flows. The ensembles of particles
evolve by advection, diffusion, and collision, which are
governed by the Boltzmann equation. Multiple fluids types
and phases can be included as components. The equation of
motion for the distribution function f;* of the component &
in the LBM is defined as,

fE(X + At t + At) — fF (X, t) = CF + FfF, (1)

where C is the collision operator and F is body force which
includes gravity and intercomponent force [18-20].
Macroscopic properties, such as density and momentum, are
obtained by taking the moments of f . For the
intercomponent force formulation, we employ the Shan-Chen
model [8,9], which is written as,

Fob() = Gp*(®) X wit,pP ( + GAL). @

A model parameter G is calibrated so that the resulted surface
tension match a target value (i.e. 30 dynes/cm for instance).

In order to extend the LBM to multiscale scenarios, we
need to consider the behavior of the PM voxels in Equation
1. For a given PM voxel we can use the segmented and
porosity images to assign to it a PM pore-type and a porosity
value. Those values can be used in turn to assign from the
corresponding constitutive relationships curves values for
ko(9), P.(S), and k,(S), that govern the local flow field
behaviour, and can be used to define an effective flow
resistance and capillary force in this PM voxel as follows. A
fluid flow resistance or viscous force in the under-resolved
regions is modelled as the following,
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Here, a € {oil,water} is the component index. The
definition of the variables and homogeneous assumption in
the underlying pore/solid structure of the PM region are
discussed in [8]. K, is the absolute permeability, K% is the a
component relative permeability, p® is the @ component
density and ©“ is the & component velocity. A fluid capillary
force is modeled as the following,

20cos@]
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Here, 6 is the contact angle in the PM region, ¢ is porosity
as a function of location, J is the Leverett J-function which is
anormalized capillary force and H is a switch function that is
designed to control excessive artificial forces. Here, At =
(p% — p%2) /(p™t + p%2). Wettability models follows [8, 9,
11], where the wall potential originated from the solid part of
the PM regions is constructed by a porosity-weighted average
of fluid density and the prescribed wall potential.

2.3 Multiscale relative permeability simulation setup

We compute relative permeability in this work by simulating
the application of a steady-state imbibition displacement
method. A displacement simulation starts with an initial
condition, and the simulation proceeds until the total flow rate
is converged, at which point the permeability is computed.
Then the oil and water mixture with increased water fraction
is injected until the next water saturation level is reached. The
saturation of the simulation is held constant until the flow rate
is converged to achieve equilibrium. At this point the
permeability of oil and water is computed again at the current
saturation. The same process will be repeated until the
residual condition is reached when the water phase barely
moves. Periodic boundary conditions and a driving force are
applied in the flow direction. Additional details for this steady
state imbibition displacement method can be found in [21,
22].

The initial condition for the fluid distribution is
established by a primary drainage computation. In the present
study, we use the extended multiscale primary drainage
method described in reference [10], based on an extended
Young-Laplace relationship between capillary pressure and
the local pore radius. In the original implementation for
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primary drainage, a percolation invasion process is followed
by increasing the pressure, a.k.a. decreasing the radius,
however radiuses smaller than the pixel size cannot be
archived. Therefore penetration of fluid in pores smaller than
the pixel size, such as the PM under-resolved regions, cannot
be simulated. In the extended Young-Laplace method
described in reference [10], we introduce the definition of an
effective radii smaller than a pixel size associated to the local
porosity and permeability of the i PM voxel, 1,(¢;) =

JVk(®;)/¢;, and use a similar percolation invasion process
including both resolved and under-resolved pores. In this
work we use this extended primary drainage method to
generate the initial condition for the fluid distribution, having
around 5%-10% volume corresponding to the smallest pore
sizes occupied by water mostly in the PM regions and we use
30° contact angle assigned to all the surfaces for a uniform
water-wet condition. All the simulations reported in this study
were performed under capillary dominated displacement
regime with capillary number N, ~ 10-3, which is given by:

qu

NC = 7 (5)
where q is the Darcy velocity, u is the viscosity of the
invading fluid and o is the interfacial tension between water
and oil.

3 Results and discussion

3.1 Multiphase k,. imbibition of benchmark rock

The first model used for testing and benchmarking the mul-
tiscale multiphase k, workflow is a synthetic rock sample,
created by combining two scales of a porous medium: A Fon-
tainebleau rock model with 20% of the grains replaced by a
homogeneous isotropic microporous media structure, as
shown in Figure 3 (top-left). We will compare two version of
this synthetic model: (1) the original dual porosity model that
fully resolves both pore sizes at 1 um/voxel, 800 volume.
We can simulate this large model with the single scale LBM
solver and use the results as reference; (2) the coarsen model
that only resolves the large pores at Sum/voxel, 1003 volume,
while the small pores are under-resolved and considered as a
PM pore-type. We can simulate this small model with the
multiscale LBM solver.
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Fig. 3. Multiscale workflow from Figure 2 for the case of the
Synthetic benchmark model and its multiscale inputs. The
segmented image of the coarsen 100° model (top-middle) shows

black for fluid regions, white for solid regions, and grey for PM
regions and the porosity image (top-right) ranges [0:1], white is
resolved pore space, grayscale is under-resolved PM region and
black is solid.

In Figure 3 we show the preparation of inputs for the
100° model multiscale simulation, following the workflow
setup from Figure 2. These inputs include: 100° segmentation
and porosity models and the constitutive relationships (K, P.
and K,.) that were computed for the PM pore-type model we
used to replace some of the grains. As for the advantage of
the use of a smaller model, assuming that the coarse model
resolution and the resolution for the fluid dynamics simula-
tion are identical, this results in a significant reduction in the
required computational volume by a factor of 8 in this study.

Water density [g/cm?]

.' 1.0

Fig. 4. 3D view of water distribution (transparent light blue) coupled
with a slice view of water density for multiscale 100° model (left)
and single resolution 800° model (right) at water saturation = 40%.

The total pore space is 29.3% for 800° fully resolved
model and 28.5% for 1003 coarsen model, which includes
porosity contributions from both resolved and under-resolved
pore regions. A steady-state imbibition K, simulation is
performed for each case with our optimized water injection
method [8, 10]. In Figure 4, a comparison of results for fluid
distributions shows the consistency between the fully
resolved simulation and the multiscale simulation, as shown
by a comparable invasion pattern achieved.

Next we look at the simulation results for relative
permeability. Figure 5 shows the comparison of relative
permeability between the single-scale fully resolved model
and the multiscale model. It indicates that, even though there
is 8 times difference in resolution, both models show overall
good agreement. The cross-over point where water/oil
permeabilities are equal and the amount of residual oil are
corresponding [23].
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Fig. 5. Water and oil relative permeability curves comparison
between 100° volume (blue) and 800 volume (red).
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Fig. 6. Fluid distribution (red: oil; blue: water) in the fully resolved
single resolution model (left column) and multiscale model (right
column) and at water saturation = 40% (a, b) and = 60% (c, d). PM
regions in multiscale model (right) are shown by regions within the
black contours where light blue and light red colors indicate water
and oil in the PM region, respectively.

In Figure 6, the water distribution is compared at two
stages where water saturation is at 40% and 60%. Blue and
red represent the two phases, water and oil. Water first
invades small pores, most of which are in the under-resolved
regions (Figure 6(a) and 6(b)) at Sw=40%, then expands its
front toward resolved pore space at Sw=60% (Figure 6(c) and
6(d)). Throughout the imbibition process, the flow patterns
show a close match between the two models.

The above test case serves as a validation of the
multiscale LBM kr workflow. In the next section we apply
this workflow to a realistic rock sample case, where sample
images are captured at two different resolution using different
microscopy imaging techniques.

3.2 Carbonate sample and previous multiscale results

In Figure 7 we show the Indiana Limestone rock sample used
in this study [10] and the preparation of inputs for the mul-
tiscale multiphase LBM flow solver, as described in the
workflow setup from Figure 2. These inputs include: segmen-
tation and porosity image and constitutive relationships for
the segmented PM pore-type regions.
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Fig. 7. Multiscale workflow from Figure 2 for the case of the Indiana
Limestone sample and its multiscale inputs

Experimental values for porosity and permeability of this
rock sample are around 16% and 7 mD, respectively. Mercury
porosimetry shows two pore-type peaks around 5 um and 0.4
um pore-throat radius. The micro-CT images were acquired
at 3.5 um/pixel and a volume of 600° was extracted. At this
resolution, only the large pore-type is resolved. The smaller
pore-type correspond to a diagenetic micrite mineral and
constitutes the under-resolved PM pore-type for this
multiscale simulation. As described in [10] a high resolution
PM model was obtained using laser confocal scanning
microscopy at 0.128 um/pixel, sufficient resolution to capture
this smaller pore-type. The results for porosity and
permeability for this micrite 3D model are 18.2% and 1.7 mD,
and the constitutive relationships were also computed and
shown in Figure 7. The ky(¢) curve is fitted from eight
subdomain simulations from the micrite 3D model. The
dependence of P.(S) and k,.(S) on saturation is fitted from
results of two-phase simulations with assumed wetting
conditions, initial saturation and a surface tension of 30
dynes/cm. More details on this Indiana Limestone rock
sample, micro-CT and confocal models as well as constitutive
relationship calculations can be found in our previous study
[10].

In Figure 8 we show results from single-phase flow LBM
simulation in a sub-volume of the original microCT model
comparing the velocities on the single-scale case to the
multiscale case. It is clear from this comparison that adding
PM regions in the simulation opens new paths for flow,
however due to the large permeability difference between
resolved pores and under-resolved pores, the majority of the
flow goes preferentially to the larger pores (resolved). This is
reflected on the overall similar permeability simulation
results.
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Although the additional PM connectivity did not seem
to impact the single-phase flow case significantly [10], it af-
fects multiphase analysis including capillary pressure and rel-
ative permeability. Our previous study [10] demonstrates that
for the two-phase flow capillary pressure imbibition simula-
tion, water can more efficiently displace oil through the con-
nectivity established by the PM region, resulting in an overall
smaller values for the irreducible oil saturation, which is also
consistent with the experimental observations. More details
on this can be found in our previous study [10].

3.3 Multiphase k,. imbibition of carbonate rock

In this section the application of the multiscale multiphase
relative permeability workflow on Indiana Limestone is
presented. As a comparison to the multiscale case, we create
two reference cases (1) a single resolution model with PM as
solid phase, and (2) a registered high resolution confocal
model which is constructed by scaling up the micro-CT
model by a factor of 5, and replacing PM regions by copies
of the high resolution PM pore-type 3D model shown in
Figure 7 (bottom-left), and ensuring the connectivity of PM
regions by periodic mirroring boundary condition.

A full size multiphase simulation of the registered model
is not possible, which could result in a tremendously
expensive simulation. Therefore, a heterogeneous but
relatively well connected 100° subvolume with the resolution
of 3.5 um/pixel is chosen to validate the methodology. In this
subvolume, resolved porosity is 15.44% and effective
porosity from under-resolved PM is 6.83%.

Figure 9 shows the comparison of relative permeability
of three models. To make the comparison consistent, the
measurement of water saturation in the single resolution
model with PM as solid is corrected by the ratio of resolved
porosity to total porosity. It is clear that more oil is mobilized
as higher effective porosity is provided. When PM is

considered as solid, water only invades into resolved larger
pores and thus leads to significant drop of oil permeability at
low water saturation. In both, the multiscale model and
registered model, the PM regions are considered as semi-
permeable and able to provide additional effective connected
porosity for the flow (Figure 10).

The comparison of different models is a good exercise to
check the consistency between the single-scale solver and the
multiscale solver. In Figure 11, the relative permeability
measured by the multiscale solver shows certain similarity to
the registered high resolution model measured by the single-
scale solver. It is noteworthy that the way we construct the
registered high resolution model is not unique, therefore the
results shown on Figure 11 (left) represent only one possible
realization, and the differences observed respect to the
multiscale model results (right) are mainly due to this non-
uniqueness, nevertheless it still provides a representative
outcome for qualitative comparison.

This kind of comparison can also provide the boundary
of relative permeabilities for different treatments of under-
resolved regions. The contribution of under-resolved PM
regions to the overall flow is not negligible. As PM regions
becomes less permeable, the flow behaviour is observed to be
similar to the one exhibited by the single resolution case with
PM as solid.
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Fig. 9. Comparison of relative permeability curves for the 1003
cases.

Fig. 10. 3D view of the distribution of water (blue) and oil (red) in
the multiscale model (left) and single resolution model with PM as
solid (right) at water saturation = 20%.
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Fig. 11. Fluid distribution (red: oil; blue: water) in the multiscale
model (left column) and registered high resolution model (right
column) at water saturation = 20% (a, b) and = 50% (c, d). PM
regions in multiscale model (left) are shown by regions within the
black contours where light blue and light red colors indicate water
and oil in the PM region, respectively.

Next, we present a multiscale multiphase simulation in a
larger sub-volume 5003 with resolution of 1.75 pum/pixel. Its
resolvable porosity is 6.75% and the effective porosity from
under-resolved PM is 4.07%, as shown in Figure 12. The
relative permeability of the PM-solid single scale (black) and
PM-identified multiscale models (green) are shown in Figure
13. The oil permeability in the multiscale model is higher as
more oil is mobilized due to the additional PM connectivity.
The distributions of water (blue) and oil (red) corresponding
to selected saturation levels as obtained in multiscale model
during the steady-state relative permeability simulation are
shown in Figure 14. Figure 15 shows the comparison of fluid
distributions of oil and water at the same water saturation (=
30%) in the two models. Water in the multiscale model is
mainly found in the two forms: (1) as a continuous film over
the surface of resolved pores and (2) filling into the PM -
under-resolved pores. In the single resolution model with PM
as solid-, most of the water tends to move into resolved pores
where oil is easily displaced.

Fig. 12. 3D view of the distribution of resolved pores (black) and
under-resolved PM (gray) in multiscale 500° model.
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Fig. 13. Comparison of relative permeability curves for the 500°
cases.
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Fig. 14. 3D view of the distribution of water (blue) and oil (red) in
multiscale 5003 model at selected saturation levels.
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Fig. 15. Fluid distribution (red: oil; blue: water) at water saturation
=30% along different depth in flow direction (Z) (left: multiscale;
right: single resolution with PM as solid). PM regions in multiscale
model (left) are shown by regions within the black contours where
light blue and light red colors indicate water and oil in the PM
region, respectively.

4 Conclusions

We developed a new digital rock workflow applicable for
multiphase relative permeability simulations on multiscale
models representing complex heterogeneous rock samples,
such as carbonate or clay-rich tight sandstone. In the new
multiscale extension to the LBM multiphase solver, we
introduce a complete workflow to identify and characterize
the PM under-resolved regions by constitutive relationships.
With the introduction of the fluid flow simulation into the
under-resolved pores, the voxel-based LBM solver is not
limited to the minimal pixel size. To validate the new
workflow, we compared our simulation results of steady-state
water/oil relative permeability between single resolution
models (high resolution) and multiscale models (low
resolution) of the same region for a synthetic sample and a
heterogeneous carbonate sample. As reference cases, a single
resolution model with PM regions as solid is also explored
within the carbonate sample to compare with the multiscale
model. It is observed that oil permeability is higher as more
oil is mobilized due to high effective porosity in the
multiscale model. Therefore, under-resolved pores are very
important in multiscale multiphase flow in the context of oil
production. This workflow not only improves the accuracy of
digital rock multiphase measurement in the context of
complex multiscale rock samples such as carbonates and
clay-rich tight sandstones but also enables an effective
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perform  multiphase flow

measurement on coarse resolution models.
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